Abstract Surfactant flooding is an important enhanced oil recovery (EOR) method, especially in carbonate oil reservoirs where water flooding may not have an effect on oil recovery as much as for sandstone reservoirs. This is because of the initial wettability of most carbonate reservoirs that is mixed-or oil-wet. Since surfactant flooding has a great impact on both fluid-fluid and rock-fluid interactions, it can be an efficient EOR method for these kinds of reservoirs. Surfactants affect fluid-fluid interactions by reducing interfacial tension (IFT) between water and oil phases and rock-fluid interactions by wettability alteration. The objective of this paper is the evaluation of these two surfactant mechanisms in non-fractured carbonate reservoirs using UTCHEM, the University of Texas chemical compositional simulator. In this paper, first, the laboratory data of two surfactant spontaneous imbibition tests for carbonate cores are successfully matched with modeled data to evaluate the mechanisms of surfactant flooding. Second, the field-scale surfactant flooding is simulated using the experimental data from spontaneous imbibition tests. Several cases are modeled in order to study the effect of surfactant flooding in terms of decreasing IFT and wettability alteration. Since the formation brine salinity in most reservoirs is more than the optimum salinity of surfactant phase behavior, the benefit of combining surfactant and low-salinity water is also investigated. Finally, tracer test simulation is performed to estimate the average oil saturation within the swept pore volume at the end of each recovery mode.
Introduction
It is widely accepted that in petroleum reservoirs only a small fraction of the original oil-in-place is economically recoverable by primary recovery methods via natural forces and secondary recovery via waterflooding. As a result, a significant amount of oil ends up unrecovered in porous media which results in an oil recovery factor typically less than 50% (Teklu et al. 2013 ). This barrier is even more significant in carbonate reservoirs compared to sandstone reservoirs because of the wettability of carbonate rock which is more mixed-or oil-wet. The residual oil saturation (S or ) varies depending on lithology, pore size distribution, permeability, wettability, fluid characteristics, recovery method, and production scheme. In order to produce the unrecovered oil after waterflooding, EOR methods have been a popular industry approach in order to decrease S or . Since the main mechanisms of all EOR methods are directly related to fluid-fluid and fluid-rock interactions, the effects of these two concepts in S or reduction are investigated as follows:
Fluid-fluid interactions
This type of interactions in porous media is governed by the interplay between capillary, viscous and gravitational forces. Oil trapping during immiscible displacement in porous media is mainly because of the capillary forces. The trapped oil can be recovered if the amount of viscous or gravity forces acting on the trapped oil exceeds the capillary forces. The relative contribution of gravity and capillary forces on S or is determined by the bond number (N B ), which is a dimensionless number representing the ratio of gravity to capillary forces (Du Prey 1978) . The relative contribution of viscous forces and capillary forces on S or is determined by the capillary number (N C ), which is a dimensionless number that determines the relative contribution of viscous and capillary forces (Taber 1969; Stegemeier 1977 , Lake 1989 . A number of different mathematical relations between N B and N C have been proposed by various researchers (Cense and Berg 2009) .
These two dimensionless numbers were combined by Jin (1995) into a total trapping number (N T ) to examine residual mobilization in an arbitrary flow regime having both horizontal and vertical components of flow. N T is also used to correlate changes in the residual phase saturations during immiscible displacement and is graphically represented as capillary desaturation curve (CDC). It is generally accepted that S or decreases by increasing N T (Lake 1989) . N T can be increased in three ways:
1. Increasing the injection fluid velocity: The injection fluid velocity is limited by pump capacity and the formation injectivity. 2. Increasing the displacing fluid viscosity: Injecting polymer solution into reservoirs is an applicable technique in order to increase fluid viscosity; however, the injection of high amount of polymer is also limited, at least by economics. 3. Reducing IFT between water and oil: This is another applicable way in order to reduce the amount of S or .
There are some strategies in order to reduce IFT such as surfactant flooding.
Rock-fluid interactions
There is also another way to decrease S or which is related to the rock-fluid interaction and wettability of the formation rock. The wettability of many carbonate reservoirs is mixed-or oil-wet with low rock permeability. Since the capillary driving force is more effective in water-wet rocks and high rock permeability, this driving force is very weak and oil recovery is less in carbonate reservoirs after waterflooding. Therefore, changing the wettability of carbonate reservoir is inevitable in order to improve the oil recovery. Changing the wettability can be improved toward more water-wet in such cases by using chemicals such as surfactants and alkali (Lake 1989; Khaledialidusti et al. 2015c) or heat (Al-Hadhrami and Blunt 2000) . Since surfactant flooding has the capability of improving both fluid-fluid interactions by reducing IFT and rock-fluid interactions by changing the wettability toward more water-wet, it can be one of the most efficient EOR methods especially for carbonate reservoirs (Hirasaki 1981; Delshad et al. 1986) . To understand the effect of surfactant in order to increase overall oil recovery, these two mechanisms are reviewed in the following Surfactant mechanisms: phase behavior for ultra-low IFT
The main mechanism of surfactant is related to reduction in the surface energy and IFT. Surfactant phase behavior has a great impact on the amount of IFT reduction. There are some parameters such as surfactant type and concentration, brine salinity, oil chain length, temperature, and pressure which play a significant role in surfactant phase behavior. All of these parameters are described briefly as follows:
1. Surfactant type and concentration: Four groups of surfactants based on the polar portion are: anionics, cationics, nonionics, and amphoteric (Lake 1989). Nonionic surfactants do not have any charge. A positively charged rock will strongly attract an anionic surfactant, and a negatively charged rock will strongly attract a cationic surfactant. Amphoterics surfactants exhibit properties of two or more groups of other surfactant groups and have not been used in chemical EOR. As a result, applying a suitable surfactant completely depends on the rock mineralogy under the reservoir condition. Cationic surfactants, for example, have not been widely used in the reservoirs including high amount of clay because they are easily adsorbed by negatively charged surface of interstitial clays. Among these types, anionic surfactants are widely used in EOR due to their lower adsorption on reservoir rocks as compared to other types of surfactants. It should be noted that some factors such as surface charge, brine salinity, and crude oil components are important to choose a suitable surfactant in different reservoirs.
Micelles and Critical Micelle Concentration (CMC): Carale et al. (1994) introduced the concept of CMC. It occurs when surfactant molecules reach a certain ''critical'' concentration in brine. IFT of oil-brine becomes constant above the CMC because the additional surfactant forms additional micelles. Beyond this critical concentration, IFT increases. Karnanda et al. (2012) investigated the effect of three surfactants in various concentrations. The results showed that IFT declines sharply with the increase in surfactant concentration. After a certain concentration, the drop becomes very slight, and this inflection point is referred to as CMC, known to be the economical concentration for surfactant flooding. The trend seen in their work agrees well with that obtained by previous investigators (Shah and Schechter 1977; Santos et al. 2009 ).
Salt concentration: Strong dependency between IFT
and brine salinity has been shown that at a critical salt concentration, IFT reaches the minimum value (Lake 1989). By changing the salinity of brine, the partition coefficient of the surfactant between oil and brine alters. This alteration affects the amount of IFT. The lowest IFT happens at optimal salinity when the most portion of the surfactant is at oil-water interface. The tendency of most surfactants for staying in brine is more in low-salinity water. On the other hand, with increasing the salinity of brine, the tendency of surfactant to trap in the oleic phase increases; therefore, very little of it partitions into the interface or aqueous phase. 3. Oil chain length: The optimal salinity and partitioning of surfactant in oil and brine phase are considerably related to oil properties. Gale and Sandvik (1973) have showed that crude oils with high aromatic hydrogen content produce lower IFT compared to crude oils with lower aromatic hydrogen content. 4. Temperature: Karnanda et al. (2012) have investigated the effect of temperature on IFT. The results indicated minor temperature effect on IFT measurements with brine solution, purified water, and anionic surfactants; however, the significant effects were seen for solutions of nonionic surfactants. It can be concluded that there is not a general treatment for the temperature effect on IFT and it is quite a complex phenomenon which many other factors specially the type of surfactants can affect it. 5. Pressure: Karnanda et al. (2012) have also studied the effect of pressures on IFT. No effect was seen for pressure variations, except for pure brine where minimal increase on IFT was seen. It can be concluded that IFT is weakly dependent on pressure.
Surfactant phase behavior considers up to five volumetric components (oil, water, surfactant, and up to two alcohols) which form three pseudo-components in a solution. In the absence of alcohols, only the three other components are considered. The concept of surfactant/oil/ brine phase behavior is evaluated by a ternary diagram, and usually the surfactant pseudo-component is placed at the top apex, brine at the lower left, and oil at the lower right (Winsor 1954; Reed 1974, 1977; Healy et al. 1976; Nelson and Pope 1978; Lake 1989) . Surfactants typically exhibit proper aqueous-phase solubility and poor oil-phase solubility at low brine salinities. This concept leads to the fact that at low brine salinities, an overall composition in the two-phase region will split into two phases: an excess oil phase and a water external microemulsion phase. This system is known as a lower phase microemulsion, Winsor Type II(-).
At high brine salinities, surfactant solubility in the aqueous phase is sharply reduced. For this reason, at high brine salinity, an overall composition in the two-phase region will split into an oil external microemulsion phase and an excess brine phase. This system is known as an upper phase microemulsion, Winsor Type II(?).
In addition to the two extremes discussed above, there is a third type of phase behavior which is referred to as the brine salinities between low and high brine salinities, also known as intermediate salinity. In this type, all three phases of brine, microemulsion, and oil coexist. This system is known as a middle phase microemulsion, Winsor type III.
The ''solubilization parameters'' and the IFTs between the microemulsion/excess oil and microemulsion/excess brine are correlated by Healy and Reed (1974) and Huh (1979) . The solubilization parameters are ratio of oil/surfactant (V o /V s ) or water/surfactant (V w /V s ) by volume (Fig. 1) . The experimental data have been taken from Levitt et al. (2009) , and solid lines are simulated data. The salinity at the crossover point of these two interfacial tensions is called ''optimum salinity'' and is the salinity at which the microemulsion solubilizes equal amounts of oil and water. The salient fact is that the IFT of the whole system is minimized at the optimum salinity Levitt et al. (2009) .
Brine salinity and divalent cation have a considerable effect on the phase behavior. The equivalent alkane carbon number of the oil or solvent and changes in temperature or pressure also cause a phase environment shift from one type to another type. The optimum salinity decreases as the temperature increases for anionic surfactants and increases as the temperature increases for nonionic surfactants (Bourrel and Schechter 1988) . The presence of alcohols also can affect the phase boundaries (Dwarakanath et al. 2008) . While the optimum salinity with sodium chloride is relatively constant, reservoir brines including divalent cations such as calcium and magnesium bring about complications. In reservoir brine including divalent cations, the optimum salinity is a function of surfactant concentration and ratio of divalent to sodium ions and it decreases to low values at low surfactant concentrations (Hirasaki 1982; Hirasaki et al. 1983) .
The salinities at which the three equilibrium phases form or disappear are called lower and upper limits of effective salinity (C SEL and C SEU ), and optimum salinity is the mean of these two limits. The divalent ions among the electrolyte brine composition play a strong role in ion exchange from the clays to the flowing phases, and this ion exchange affects the effective salinity (Hill et al. 1977; Pope et al. 1978; Hirasaki et al. 2011) . Since the microemulsion droplets have a great affinity for divalent ions, they act as a flowing ion exchange medium (Hirasaki 1982; Hirasaki and Lawson 1986) . The amount of clay in carbonate rocks is less than sandstones, so the exchange of divalent ions is weaker in carbonates.
Since many reservoirs contain high-salinity brine, surfactant flooding leads to unsatisfactory and uneconomical results. This is because of the fact that displacement of residual oil by surfactant flooding requires reducing the IFT to ultra-low values to mobilize the disconnected oil droplets. Therefore, there are some approaches on how ultra-low IFT can be achieved in order to enhance oil recovery:
1. Performing a soft water preflush (Gupta and Trushenski 1979) : The purpose of the preflush is to displace high-salinity brine away and to reduce the formation salinity to a value near optimum salinity. This approach causes a problem because soft water preflush leads to increasing the contact of the viscous surfactant slug with the formation rock which was bypassed by the preflush (Hirasaki et al. 2011 ). 2. Performing salinity gradient (Nelson 1981; Hirasaki et al. 1983 ): The purpose of this approach is creating salinity over the optimum salinity ahead and under the optimum salinity behind the active region where the surfactant has more concentration. In this approach, the effective salinity profile is around the optimum salinity in the active region. 3. Designing the new surfactant formulation (Maerker and Gale 1992; Flaaten et al. 2009 ): The purpose of designing new formulation is to change the optimum salinity of the surfactant to near the formation salinity. In this approach, there is no need for soft water in order to reach the ultra-low IFT and in consequence the problem of the soft water preflush approach is ignored due to constant salinity. 4. Another approach in order to create optimum condition is to add alcohol to increase the optimum salinity of the formation.
It should be noted that performing salinity gradient may be modified based on the reservoir conditions. If the reservoir salinity is lower than optimum salinity for surfactant phase behavior, a preflush may be necessary to increase the salinity of the brine ahead of the surfactant slug. Or else, if the reservoir salinity is higher than optimum salinity of surfactant phase behavior, a preflush may be necessary to decrease the salinity of the brine ahead of the surfactant slug.
Surfactant mechanisms: wettability alteration
Another mechanism of surfactant flooding is related to the wettability alteration. Under the right conditions, the surfactant adsorbs on the rock surface and preferentially attracts a particular phase. This, in turn, changes the wettability of the rock. It is generally accepted that wettability in sandstones and carbonates is quite different. This difference in sandstones and carbonates is mainly because of the different surface electrical charge in these two types of reservoir rocks, which leads to different behavior of surfactant adsorption (Treiber and Owens 1972; Anderson 1986a, b; Menezes et al. 1989) . The surface charge of the formation rock has a key role on the surfactant adsorption which is a strong function of the pH, so the adsorption of the most commonly used anionic surfactants typically decreases with an increase in pH. Dubey and Doe (1993) showed that at reservoir pH conditions, silica and clay surfaces as well as crude oil include negative electrical charge. At neutral pH, clays have a negative charge on the faces and a positive charge at the edges. The edges exhibit pH-dependent charge characteristics and thus are expected to reverse their charge at a pH of about nine (Hirasaki et al. 2011 ). Menezes et al. (1989 and Anderson (1986a, b) investigated that there is a low amount of clay in carbonates in comparison with sandstones and this amount is sufficiently small to be ignored and they observed that carbonate surfaces are positively charged at basic conditions of pH \ 9.5. For this reason, carbonates have a considerable tendency to adsorb negatively charged oil particles (e.g., acidic groups) by electrostatic attraction. Hence, the carbonates are expected to be mixed-to oil-wet. Since the primary mechanism for the adsorption of anionic surfactants on sandstone and carbonate formation is the ionic attraction between positively charged mineral sites and the negative surfactant anion (Zhang et al. 2006) , the surface charge of carbonates also leads to adsorption of anionic surfactant more easily as well.
Contrary to carbonate rocks, there is a high amount of clay and silica in sandstone rocks. Since silica is negatively charged at reservoir conditions, sandstones are in general negatively charged at pH [ 2 and exhibit negligible adsorption of anionic surfactants (Buckley et al. 1989; Hirasaki et al. 2011) . It can be concluded that the mechanism of the wettability modification of carbonate surfaces is quite different from that of sandstones. The effect of surface charged on the wettability and S or is compared in Table 1 .
In this paper, in order to understand the effects of surfactant on wettability alteration, the alkaline/surfactant imbibition laboratory results conducted at Rice University (Hirasaki et al. 2004 ) are modeled using UTCHEM. Next, we have extended our work to field-scale simulations to study the effect of IFT reduction and wettability alteration mechanisms. The benefits of combining surfactant with low-salinity water are also studied in order to get the ultralow IFT.
Imbibition cell test
Some imbibition cell tests using reservoir cores of carbonate dolomite formation from the Yates oil field with moderate porosity and low permeability were performed in order to study the effect of candidate surfactant on oil recovery (Hirasaki et al. 2004 ). The formation brine in the experiment contained mostly NaCl and small concentrations of CaCl 2 and MgCl 2 . In this study, the results from two of these experiments are used to investigate the effect of each mechanisms of surfactant on this carbonate rock. The first sample is Core C which was saturated but not aged by crude oil before imbibition tests. The second sample is Core B which contrary to the former core was aged in the crude oil at 80°C before the imbibition test.
The first experiments were conducted using formation brine, and negligible amounts of oil were recovered after just one week. It can be inferred that this insignificant amount of oil recovery is a result of the wettability of the dolomite cores where the cores were anticipated to be mixed-or oil-wet. For this reason, the second experiments were conducted using an alkali/surfactant solution. In this experiment, 0.3 M sodium carbonate (Na 2 Co 3 ) as alkali solution was also added to the aqueous solution in order to reduce the surfactant adsorption and also to generate in situ surfactants (soap) as a result of reacting with the naphthenic acids in the Yates crude oil (Hirasaki et al. 2004 ). In the second experiments, considerable amount of spontaneous imbibition was recorded when the brine was replaced by the alkaline/surfactant solution. The cores and fluid properties and experiments results are listed in Table 2 .
This procedure was also performed using Core B which was aged. Insignificant amounts of oil were recovered using formation brine in this core just as for Core C, which is not aged. Then, the test was repeated for Core B using alkali/surfactant solution with exactly the same conditions of the previous experiments using Core C. In this test using Core B, more oil is recovered in comparison with Core C. More details of these imbibition tests are reported by Hirasaki et al. (2004) .
Based on a comparison of the results of oil recovery using alkali/surfactant solution in both cores (14% for Core C and 44% for Core B), it can be inferred that the wettability of Core B was altered to more oil-wet during the aging process and then altered back to a mixed-or water-wet state during the surfactant imbibition cell test. On the other hand, Core C was not aged and was either not altered or altered to a lesser extent during the surfactant imbibition test. However, the permeability and initial water saturation of Core B are higher than Core C, but the difference in oil recovery is considered more significant than would be caused by small variations in permeability and initial water saturation. Therefore, the wettability alteration is considered the real reason for more oil recovery during the tests.
The reason of matching Core C is to obtain rock and fluid properties, while the purpose of matching Core B was to get rock properties with respect to wettability alteration effects.
A 3D numerical model using homogeneous Cartesian grid including fluid gridblocks (''non-rock'') and rock gridblocks is set up to simulate both the core and surrounding fluid in the imbibition cell experiment by UTCHEM. The grid model is developed using 8 9 8 9 8 gridblocks and is intended to simulate both the imbibition cell and the core to simulate fluid flowing from the open imbibition cell into the rock and expelling oil to the top. A vertical cross section through the center of the model is shown in Fig. 2 . The middle of the grid (6 9 6 9 6) is for simulating petrophysical properties representing the rock, and the remaining gridblocks are for simulating properties representing the imbibition cell. The non-rock gridblocks are located at the top and on the sides of the grid. The oil saturation and the surfactant concentration for the imbibition simulation of Core B are shown in Fig. 2 at initial condition and after 10 days. The blue and the red regions initially represent zero initial surfactant concentration in the rock gridblocks and 0.05% initial surfactant concentration in the non-rock gridblocks, respectively. All other properties of the simulation are given in Tables 3 and 4 .
Since a 1D mathematical model has been performed, the flow only imbibes vertically. Simulation of the imbibition cell test is complicated due to the following reasons: Since there are no wells to cause flow, the convective fluxes are very small and lead to severe variation in properties between rock and non-rock gridblocks. Therefore, considering mechanisms such as molecular diffusion becomes important. Several other simulation input parameters such as time steps size, grid orientation, and initial properties also have considerable effects on the final result. The rate of formation of microemulsion also has a great impact on the final results which are determined by surfactant molecular diffusion and CMC. The ability of the surfactant to reduce the capillary forces and mobilize oil is the other mechanism which should be modeled by the surfactant phase behavior and capillary desaturation. In order to reduce the surfactant adsorption, some sodium carbonate was added in the spontaneous experiment. Therefore, the surfactant adsorption is ignored in the simulations. The next assumption is physical dispersion. According to the nature of spontaneous imbibition, low velocities are expected. Therefore, this parameter is assumed to be negligible and is ignored in the spontaneous simulations. Determining the surfactant parameters (microemulsion viscosity, IFT, surfactant adsorption, and microemulsion phase behavior) is important for UTCHEM and requires precise curve fitting of the experimental data. In our simulations and in the spontaneous imbibition tests, the experimental evaluations that were performed by Levitt et al. (2009) are used. They examined some surfactants in order to determine the optimum salinity and corresponding IFT, solubilization ratio, as well as the compatibility with this reservoir's rock type, temperature, synthetic formation brine, and crude oil. Microemulsion phase behavior is matched with the laboratory solubilization ratio for several salinities as is shown in Fig. 1 . The important information obtained from this plot is optimum salinity for this surfactant/crude oil/brine solution which was relatively high (0.365 meq/ml), solubilization ratio at optimum salinity (16.8), and fluid concentration (1% surfactant). By knowing the solubilization ratio and using the fact that optimum salinity is the average of C SEL and C SEU , these two parameters are obtained by trial and error procedures (Table 5) . Using the Huh (1979) correlation and the solubilization ratio at optimum salinity, an approximate IFT value of almost 0.001 dyne/cm is expected.
Initial simulations of both Core C and Core B are run to determine the oil recovery based on the constant wettability assumption during surfactant imbibition test. The relative permeability and capillary pressure parameters are set up to be mixed-wet toward oil-wet (Fig. 3) . This is because there was a negligible oil recovery via water spontaneous imbibition in the laboratory. Since Core C is not aged, this assumption can be satisfying to match the final result of oil recovery. On the other hand, this assumption cannot be enough to match the final result of oil recovery in Core B because this case is aged which causes (1) the wettability become more oil-wet initially and (2) surfactant imbibition test led to alteration in wettability. So, it is necessary to manipulate parameters such as relative permeability, and capillary pressure, and capillary desaturation parameters in order to match the final result of Core B.
Core C is simulated with the mentioned conditions and sensitivity analysis of assumed parameters such as relative permeability, capillary pressure, surfactant diffusion, CMC, IFT, residual oil saturation, and heterogeneity to understand more accurately the transport mechanisms which affected the test. We have attempted to match the modeled result with the experimental one in order to extract all unknown petrophysical and chemical parameters regarding wettability and IFT reduction, respectively. The relative permeability and capillary pressure in mixed-wet rocks are shown in Fig. 3 where red color is considered to get the best match in oil recovery (Fig. 4) .
Matching modeled results with experimental results is more complicated in Case B. This case, first, is simulated with unknown petrophysical and chemical parameters which are obtained in the simulation of Core C. The result of the simulation showed that getting a realistic match with experimental result was impossible. The reason is that the wettability in this case has been considerably altered during surfactant spontaneous imbibition. Since petrophysical parameters such as relative permeability, capillary pressure, and capillary desaturation parameters are dependent on wettability, the alteration of these parameters is inevitable. Secondly, these parameters are modified toward a more water-wet condition as shown in Fig. 3 via blue color. The simulation with water-wet conditions showed a faster response to oil production and a higher cumulative oil recovery. This was due to the increase in oil relative permeability and initial change in capillary pressure from negative to positive. Therefore, more surfactant solution imbibed into the rock gridblocks and displaced more oil before decreasing the capillary pressure to zero due to IFT reduction. The matching simulation result of oil recovery with the experiment result was not achieved. Finally, the petrophysical parameters are to an acceptable extent interpolated in between to get the best match as shown in Fig. 3 via green color because of the fact that the process of wettability alteration is a gradual, not a sudden mechanism. The final matching of oil recovery is shown in Fig. 4 .
Upscaled simulations
In this section, the effect of surfactant mechanisms (IFT reduction and wettability alteration) on the oil recovery in a mixed-wet dolomite formation with almost high-salinity formation brine 1 (meq/ml) is investigated. Since the formation brine salinity is more than the optimum salinity of the candidate surfactant phase behavior (Fig. 1) , combining surfactant with low-salinity water is one of the most efficient approaches in order to reach the ultra-low IFT. In order to study the effect of low-salinity water on the phase behavior of surfactant and also the benefit of combining surfactant with low-salinity water, several 3D simulations are performed using UTCHEM with the petrophysical parameters which are obtained via the simulations of imbibition tests in the previous section and some other parameters which are provided by field operator as shown in Table 5 and Table 6 . A heterogeneous model is used to investigate the effect of low-salinity water on the phase behavior of surfactant and also the benefit of combining surfactant with lowsalinity water. Since the reservoir rocks are heterogeneous in terms of mineral composition, a stochastic distribution of permeability in a range between 50 and 200 md for each gridblock is selected in order to consider the effect of heterogeneity. There is one injector and one producer in this model. The simulation model and the permeability distribution are shown in Fig. 5 . The porosities for each gridblocks are calculated using the permeabilities using to the following correlation (Abbasi Asl et al. 2010) :
As it is mentioned, optimum salinity for this surfactant/ crude oil/brine solution is about 0.365 (meq/ml) and C SEL and C SEU are 0.2 (meq/ml) and 0.56 (meq/ml), respectively. Since the formation brine salinity 1 (meq/ ml) is more than optimum salinity, decreasing the Initial reservoir brine salinity (meq/ml) 1 (NaCl)
Lower salinity limit (C SEL ) (meq/ml) 0.2
Upper salinity limit (C SEU ) (meq/ml) 0.53
Intercept at zero salinity 0.035
Intercept at optimum salinity 0.0288
Intercept at twice optimum salinity 0.056 Fig. 3 Relative permeability (left) and capillary pressure (right) curves formation salinity to the near optimum salinity of surfactant phase behavior in order to reach the ultra-low IFT is necessary. This is because the salinity has a significant effect on the surfactant phase behavior so that IFT minimizes at the optimum salinity. In order to evaluate the benefit of combination of surfactant flood with lowsalinity water and the effect of ionic strength of lowsalinity water on the surfactant phase behavior, several simulations are conducted with different ionic strength salinity water as are given in Table 7 . The effect of the amount of ionic strength of saline water on surfactant is dependent on two important parameters: one is the formation brine salinity and the other is related to surfactant phase behavior (optimum salinity, C SEL , and C SEU ). If there is a small difference between the optimum salinity and formation brine salinity, the lowsalinity water not only does not have any positive effect on surfactant phase behavior, but can also affect the surfactant phase behavior negatively. Therefore, to design a combination process of surfactant and low-salinity water, these two important parameters should be considered. Since the formation brine salinity of many reservoirs is higher than 1 (meq/ml) and the optimum salinity of many industrial surfactants is less than this amount, the combination of surfactant and low-salinity brine can be widely used.
The other benefit of combining low-salinity water with surfactant flooding is the surfactant adsorption which decreases in lower salinity. The effect of surfactant adsorption is modeled based on the laboratory data for this dolomite mixed-wet rock (Levitt et al. 2009 ). The base case value is assumed to be 0.3 mg/g rock based on the average laboratory measurement. The curve fitting parameters are adjusted to set the plateau of the curve at the laboratory value.
As it is mentioned, there are two mechanisms for surfactant flooding in order to increase overall oil recovery. The first one is related to fluid-fluid interaction and reducing IFT between water and oil phases. The second one is related to rock-fluid interaction and changing the wettability toward more water-wet condition. To study the effect of each single mechanism separately on oil recovery for this mixed-wet rock, the benefit of surfactant flooding and combination of surfactant and low-salinity water is evaluated without considering the effect of wettability alteration. Second, this process is conducted with considering the effect of wettability alteration. This alteration is more significant in the more oil-wet rocks, and it decreases with initial wettability toward more water-wet. Therefore, the effect of surfactant in wettability alteration plays a more significant role in carbonate rock types than sandstone formations; however, the other parameters such as oil chain, reservoir temperature, brine salinity, and pore throat size can be effective in wettability alteration.
Wettability constant
In this section, the effect of combination of surfactant with low-salinity water is investigated with the assumption of constant wettability. Prior to surfactant injection, the formation is flooded with formation brine with known well constraints. The average postwaterflood oil saturation and the cumulative oil recovery after 10 PV formation brine injection are plotted as are shown in Figs. 6 and 7, respectively. As it can be seen, the oil recovery is 39% OOIP after 5 PV and cannot exceed 41% of total OOIP after 10 PV fluid injections. As Kamath et al. (2001) and Tie and Morrow (2005) have been reported, the effect of waterflooding on overall oil recovery from low permeability carbonate rocks is almost in the order of 40% of OOIP. As a result, the waterflood residual oil saturation may not be far away from the reported values in this mixed-wet rock; however, the effect of waterflooding is more effective in more water-wet and high permeability rocks. For this reason, the necessity of surfactant flooding to get more oil recovery becomes more obvious in such mixed-wet and low permeability rocks. In order to consider the effect of surfactant flooding on the overall oil recovery, a 0.3 PV surfactant slug and formation brine (1% surfactant volume fraction) is injected after 5 PV waterflooding, followed by 4.7 PV formation brine (Case #1). The average oil saturation after 10 PV is shown in Fig. 6 . It is distinguishable that surfactant flooding via decreasing IFT leads to mobilization of more oil compared with waterflooding. The overall oil recovery during the process is also plotted in Fig. 7 . The difference in overall oil recovery between surfactant flooding and waterflooding keeps increasing and reaches just above 4 and 5% of total OOIP after 8 and 10 PV fluid injections, respectively.
The first study of the benefit of surfactant and lowsalinity combination is investigated in Case #2. The only difference compared with Case #1 is the ionic strength of water in the surfactant slug and the following water postflush which is 0.5 (meq/ml). This amount of salinity is more than optimum salinity of the surfactant phase behavior and less than C SEU . While the injected water salinity is less than C SEU in order to form Winsor Type III, it is difficult to meet this condition because of considerable difference between initial formation brine salinity and injected water salinity. Due to dispersion, this difference leads to increasing the effective salinity in the reservoir to more than C SEU , especially in the beginning of the process. The effective salinity and surfactant concentration versus dimensionless distance between injection and production wells in the 10th layer of the reservoir model at 0.2, 0.4, and 0.6 PV after waterflooding are compared in Fig. 8 . As it can be seen, the effective salinity at 0.2 and 0.4 PV after waterflooding did not change the reservoir salinity to less than C SEU ; however, the effective salinity of the reservoir almost reached the lower level than C SEU after 0.6 PV. This observation shows that the injected 0.5 (meq/ml) salinity water is not suitable to pass the surfactant phase behavior from Winsor Type III in active region where the surfactant concentration is more in order to reach the lowest amount of IFT. The overall oil recovery in Case #2 has increased to about 49.5% of total OOIP due to the low-salinity waterflooding (Fig. 7) . While the surfactant/crude oil/brine phase behavior is not completely in Winsor Type III, it caused about 4% more oil recovery compared with surfactant flooding with formation brine salinity after 10 PV. There are some reasons for this improved recovery. The one that seems more important is the forming of the microemulsion system close to Winsor Type III after 0.6 PV surfactant injections. The other reason is the amount of surfactant adsorption which decreased with reduction in the amount of salinity.
In Case #3, the water salinity of surfactant slug and the following water postflush is decreased to the optimum salinity of surfactant phase behavior 0.365 (meq/ml). As it can be seen from Fig. 9 , the effective salinity at 0.2 PV after waterflooding did not drop to less than C SEU due to the larger difference with initial formation salinity and the dispersion effect and consequently, based on the concentration of surfactant at this time, the surfactant/crude oil/ brine phase behavior is at Winsor Type II(?); however, 0.4 PV after waterflooding is enough to change the effective salinity to less than C SEU . At this time, the effective salinity became closer to the optimum salinity in active region where the surfactant concentration is at highest level and as a result the microemulsion system is at Winsor Type III. In this case, the effective salinity at 0.6 PV after waterflooding in most significant part of the reservoir become more and more close to the optimum salinity and it can be inferred that IFT almost reaches the lowest amount.
The amount of oil recovery in Case #3 has improved to about 53% of total OOIP after 10 PV fluid injections (Fig. 7) , 7% more than surfactant flood with 0.5 (meq/ml) brine salinity. As previously discussed, this is because of the microemulsion phase behavior and surfactant adsorption which decreases by low-salinity water. Using lowsalinity preflush before surfactant injection can be one efficient strategy in order to reach the optimum salinity from the beginning of the surfactant injection for this reservoir; however, this approach causes a problem because soft water preflush leads to increasing the contact of the viscous surfactant slug with the formation rock which is bypassed by the preflush (Chiou and Chang 1978) .
In Case #4, the amount of water salinity of surfactant slug and the following water postflush is decreased to less than the optimum salinity and more than C SEL 0.25 (meq/ ml). In this case, the effective salinity declines to about C SEU at 0.2 PV after waterflooding in the active region (Fig. 10) . It can also be seen that the effective salinity is reaching the optimum salinity in the active region at 0.4 PV after waterflooding; however, the effective salinity drops to a lower level than the optimum salinity and close to the C SEL in most of the reservoir after 0.6 PV surfactant injections. In this condition, the solubility of surfactant in water increases and surfactant moves thorough the porous medium faster. It can be inferred that the effective salinity is far away from the optimum salinity in major portion of surfactant injection time and consequently, the ultra-low IFT is not achieved. Comparing Cases #4 and #3, it can be concluded that while at the beginning of surfactant injection the effective salinity in Case #3 is further away from the optimum salinity, the effective salinity in this case becomes closer to the optimum salinity after 0.6 PV surfactant slug injection and remains at this condition until the end of the process. On the other hand, the effective salinity in Case #4 after 0.6 PV surfactant injection falls to a lower level than optimum salinity and because close to the C SEL , and thereafter remains in this condition until the end of process. It means that IFT during most of the surfactant injection time in Case #3 is at the lowest level compared to Case #4. While the surfactant adsorption is lower in Case #4 because of the lower salinity, the results prove that the effect of ultra-low IFT is more significant than the effect of surfactant adsorption. Therefore, the cumulative oil recovery of Case #4 rises to 49.5% of total OOIP at the end of process while there is not any difference between these two cases until the end of 0.6 PV surfactant injections as shown in Fig. 7 .
Comparing Cases #4 and #2, it can be observed that the effective salinity is above C SEU before 0.6 PV surfactant injections in Case #2, but in Case #4 it drops to the optimum salinity during this period of surfactant injection. For this reason, the overall oil recovery in Case #4 was more than Case #2 until the end of 9 PV fluid injections; however, the final oil recoveries in these two cases are the same. This is due to the fact that during most of the surfactant flooding time, the effective salinity is far away from the optimum salinity and it was close to C SEU and C SEL in Case #2 and Case #4, respectively. The solubility of surfactant is more in water phase in Case #4; however, this solubility is more in the oil phase in Case #2. Therefore, the breakthrough time of the injected surfactant in Case #4 is shorter than Case #2. In Case #5, the level of water salinity of the surfactant slug and the following water postflush is decreased to less than both optimum salinity and C SEU 0.1 (meq/ml). As it can be seen in Fig. 11 , the effective salinity is in Winsor Type III region until the end of 5.6 PV injected and after that it drops to the lower level than C SEL and stayed in Winsor Type II(-) until the end of the fluid injection. In this condition, while the surfactant adsorption declines due to low-salinity water, the most of the injected surfactant partitions into water phase and achieving the ultra-low IFT is thus impossible.
Comparing Cases #5 and #1, it can be observed that at the beginning of fluid injection, the effective salinity in Case #5 is close to the optimum salinity so that overall oil is recovered until the end of 6.2 PV injected as shown in Fig. 7 . It is proved that while the salinity drops to 0.1 (meq/ ml), the overall oil recovery reaches just over 42% of OOIP and could not surpass the oil recovery resulting from surfactant injection with formation brine salinity. It can be concluded that the combination of surfactant and lowsalinity water does not always lead to more oil recovery while the surfactant adsorption reduces. For this reason, in order to make the most of the combinations of surfactant and low-salinity water, a careful design is needed. In addition, it should be taken into consideration that surfactant phase behavior parameters such as optimum salinity, C SEU , C SEL , and initial formation brine salinity play a considerable role to obtain the highest amount of overall oil recovery.
It should be noted that the conclusions from these results are just based on the concept of surfactant/crude oil/brine phase behavior and without the consideration of the wettability alteration effect, i.e., what low-salinity water and surfactant flood can cause, especially in mixed-and oil-wet rock formations. The injection of low-salinity water can also lead to changes in the wettability; however, due to the complexity of the crude oil/brine/rock interactions, the mechanisms behind a low-salinity water process have been debated in the literature for the last decade. Data for the effect of salinity on oil recovery present contrasting trends because the mechanisms of low-salinity water are still uncertain. In many research articles, the efficiency of lowsalinity water in improving oil recovery is exhibited (Webb et al. 2004; Robertson 2007; Lager et al. 2008) ; however, in some other studies, oil recovery improvement is never observed (Filoco and Sharma 1998; Zhang et al. 2007 ). This contradiction comes from the fact that low-salinity water injection changes wettability form oil-wet toward water-wet. The change in electric charge at rock-fluid and fluid-fluid interfaces caused by low-salinity water is the primary reason for wettability alteration. When the electric charges become more negative at interfaces, the repulsion forces between rock and oil increase and make the rock more water-wet. As a result, low-salinity water might not be efficient for changing the wettability in certain cases where the rock wetting conditions are water-wet and surface charge is initially more negative (sandstone formations).
Simulated IFT profiles in all cases are compared at 0.4 and 0.6 PVs surfactant injections after waterflooding in 10th layer of the reservoir (Fig. 12) . As it can be seen, IFT in Case #3 reaches the lowest amount and it can march through the reservoir as time goes on. It can be concluded that IFT in Case #3 which is the combination of surfactant with optimum salinity water leads to the lowest level of IFT, and in consequence yields higher oil recovery. The other distinguishable note is that the propagation of the injected surfactant, which is faster in lower salinity water due to solubility ability of surfactant in water at lower salinity; however, in the salinity region with higher level than C SEU , most of the surfactant partitions in trapped oil. This concept is more distinguishable at more injection time (0.6 PV). As a result, at these conditions, higher amounts of surfactant should be injected to produce more oil and this is not cost-effective.
Determining flood performance from interwell tracer test analysis
Tracer test simulation is also performed to estimate the average oil saturation within the swept pore volume at the end of each recovery mode. Estimating volume swept by injected fluids from tracers is first developed by Danckwerts (1953) and Deans (1978) for reactor beds and porous media, respectively. Asakawa (2005) has extended a general derivation of the moments to include three-dimensional, heterogeneous reservoirs including naturally fractured reservoirs. In simplest form, the swept pore volume is determined from the mean residence volume of a conservative tracer. For a tracer injected as a slug, the mean residence volume is also determined from tracer concentration histories at the production well. The swept pore volume (V s ) is defined as the pore volume of the reservoir contacted by the injected fluid. This parameter can be calculated from the produced tracer concentrations as follows:
where V 1 and V 2 are the mean residence volumes of the tracers and K i are their partitioning coefficients. The partitioning coefficient of tracer i is defined as follows:
where C io and C iw are the concentrations of tracer i in oil and water phases, respectively. Tracer tests, interwell and single well, have been used to determine oil saturation for decades (Cooke 1971; Tomich et al. 1973; Deans 1978; Tang 2005; Khaledialidusti et al. 2014 Khaledialidusti et al. , 2015a . The interwell method consists of two or more non-reacting tracers with different partitioning coefficient between oil and water phases being injected into the formation. Partitioning coefficients are measured in the laboratory. Different partitioning coefficients of tracers lead to different arrival times of tracers to the production well. Using mean residence volume of two tracers with different partitioning coefficients, the average oil saturation in the swept pore volume can be calculated as follows:
For a tracer slug during two-phase flow of oil and water, V i is defined as follows:
where C it , q, V slug , and t are the total concentration of tracer i, the liquid flow rate, the volume of tracer slug, and time, respectively. The total effluent tracer concentration is defined as follows:
where f w and f o are the fractional flow of oil and water, respectively. One conservative and two partitioning tracers (K i = 1 and 2) are injected for 0.3 PV after each recovery injections when the oil cut reached almost zero and are followed by 2.7 PV of water injection with no tracer added. Normalized tracer concentration history and swept pore volume after waterflooding, surfactant flooding, and combination of surfactant flooding and optimum salinity are shown in Figs. 13, 14, and 15, respectively . From the concept of the tracer partitioning coefficient, it can be inferred that the travel time of partitioning and non-partitioning tracers in the production well decrease as average oil saturation drops. Therefore, the peaks of the tracer concentrations get closer as the average oil saturation decreases.
Calculated oil saturations for each pair of tracers are listed in Table 8 . The average oil saturation within the swept pore volume at the end of waterflooding is determined to be about 0.36. This average oil saturation drops to about 0.33 and 0.29, respectively, after surfactant flooding and a combination of surfactant and optimum salinity flooding. Comparison of the obtained results makes the importance of the benefit of combining surfactant with optimum salinity water, more obvious. It can be concluded that a suitable design of combining surfactant with lowsalinity water can lead to much higher oil recoveries compared to surfactant flooding, due to the fact that the formation brine salinity is higher than the optimum salinity of the surfactant phase behavior.
Secondary versus tertiary response
It is generally believed that the early implementation of every special EOR method yields higher oil recovery. To investigate the effect of surfactant flooding in secondary and tertiary recovery, these scenarios are compared at 10 PV. In the design of secondary recovery, waterflooding is stopped and 0.3 PV surfactant slug without low-salinity water is injected and then followed by the injection of formation brine. In the design of tertiary recovery, a 0.3 PV surfactant slug with formation brine is injected following 5.0 PV waterflooding with formation brine. This is then followed by formation brine injection. In this investigation, the effect of combination low-salinity is not studied. The effects of these two strategies are compared in Fig. 16 . As it can be seen, that secondary recovery is more effective than the tertiary recovery in terms of timing and oil recovery. While the amount of oil recovery at the end of 10 PV fluid injections in the secondary recovery case is about 47%, the tertiary recovery case is just under 46% and oil recovery did not exceed 40% for waterflooding. The large difference between the secondary and tertiary oil recovery becomes more obvious when oil recovery is compared with respect to timing. In secondary recovery, more oil recovery is achievable in short times. While oil recovery was about 45% after 4 PV in secondary recovery, 9 PV fluid injections were needed to reach the same amount in tertiary oil recovery. All in all, in this reservoir model study and based on the recovery modes discussed, secondary recovery is more efficient than tertiary recovery mode because it leads to earlier oil recovery.
Wettability alteration
In the previous section, the effect of first mechanism of surfactant flooding, surfactant phase behavior effects lead to ultra-low IFT, without considering the second mechanism, wettability alteration, is investigated. The mechanism of wettability alteration is quite dependent on the initial wettability of the formation rock. In more oil-wet rocks, this alteration is more significant toward water-wet condition, and in consequence, the overall oil recovery is more significant; however, in more water-wet rocks, this alteration is weaker and as a result exhibits less impact on the cumulative oil recovery. In this section, the effect of wettability alteration is evaluated based on the petrophysical data obtained from the imbibition cell simulation.
As is discussed, the initial wettability of this dolomite rock is considered mixed-wet based on the available data and using the surfactant imbibition cell simulation. Then, the wettability of rock is changed gradually toward more water-wet in order to match the oil recovery with experiment results. The best match is obtained from interpolated data between mixed-wet and water-wet condition because wettability alteration is a gradual and not a pulse process as it is shown in Fig. 3 ; Table 6 . In order to investigate the effect of wettability alteration on this mixed-wet dolomite rock, surfactant flooding without low-salinity water (Case #1) is performed first and then the effect of wettability alteration via surfactant slug and the following water postflush at optimum salinity (Case #3) is investigated.
The total oil recoveries related to Case #1 in different wettability conditions are compared (Fig. 17) . As expected, the oil recovery with relative permeability and capillary pressure representing water-wet condition gave higher recovery of about 51% OOIP after 10 PV fluid injections; however, it is also determined that the surfactant flooding in constant wettability condition leads to improvement in oil recovery of about 45.5% OOIP. This improvement is just due to reduction in IFT. The oil recovery based on the data obtained from the best match by surfactant imbibition simulation leads to an increase in oil recovery of just over 49% OOIP. Comparing these obtained oil recoveries with the recovery resulted by waterflooding (40.5% OOIP), it can be concluded that the portion of IFT reduction and wettability alteration in oil recovery was about 5 and 3.5%, respectively, at the end of 10 PV fluid injection. It should be noted that these portions of surfactant mechanisms in overall oil recovery may be completely different in other reservoirs with different initial wettability, temperature, crude oil, and salinity.
After evaluation of the effect of wettability alteration for surfactant flooding with formation brine salinity, this effect is also investigated in the case of combining surfactant with optimum salinity (Case #3).
Since this rock initially is mixed-wet and the formation salinity is quite high 1 (meq/ml), the probability of changing wettability by low-salinity water 0.365 (meq/ml) is high. Consequently, the wettability alteration affected by low-salinity water as a single EOR project mode in tertiary recovery is also evaluated. In this study, in order to investigate the effect of low-salinity water in wettability alteration, the water-wet and interpolated data obtained from surfactant imbibition simulation are used. Since there is no data on wettability alteration via low-salinity water for this dolomite rock, this assumption can give us only a general understanding of the effect of low-salinity water in wettability alteration.
As it can be seen in Fig. 18 , low-salinity water in waterwet condition leads to an improvement in oil recovery of about 7% OOIP over waterflooding at the end of the process; however, because of the gradual alteration in wettability alteration the obtained result, according to interpolated data, can be closer to reality. Low-salinity water in this condition causes a higher improvement in oil recovery of about 5% OOIP compared to waterflooding after 10 PV fluid injections.
After evaluating the effect of 0.365 (meq/ml) salinity water, the effect of combining surfactant and low-salinity water with considering wettability alteration is also investigated. There was also no data regarding wettability alteration as a result of combining surfactant and lowsalinity water in this dolomite rock. As a result, the relative permeability and capillary pressure obtained from surfactant imbibition simulation (Table 6 ) are also used for this combination; however, according to the effect of lowsalinity water for changing the wettability, the probability of water-wet condition close to the reality is more than for the interpolated case.
The combining of surfactant and optimum salinity water in constant wettability condition is evaluated in order to understand the portion of IFT reduction in improvement of oil recovery. As it can be seen in Fig. 18 , this combination leads to an improvement in overall oil recovery of about 12% OOIP compared to waterflooding. It can be concluded that the effect of IFT reduction by optimum salinity water is more effective than the effect of wettability alteration of water injection with optimum salinity as a single EOR project. This combination also leads to an improvement in oil recovery of just under 16.5 and 19.5% OOIP in interpolated and water-wet case, respectively, compared to waterflooding. All in all, it can be concluded that the combination of surfactant flooding and low-salinity water at optimum salinity level of the surfactant phase behavior can have the highest efficiency on cumulative oil recovery. In addition, in this rock type, the mechanism of IFT reduction plays a more significant role than the mechanism of wettability alteration; however, the effect of wettability alteration in recovery increases as initial wettability gets in more oil-wet condition.
Summary and conclusions
• Surfactant flooding due to combined effect of fluidfluid interaction by decreasing IFT and rock-fluid interaction by altering the wettability is an efficient EOR method, especially for oil-and mixed-wet reservoirs.
• Matching the modeled data with the result of surfactant spontaneous imbibition test in the case which is not aged using a specific relative permeability, capillary pressure, and CDC parameters is practical; however, in the aged case, it is necessary to manipulate these parameters to match the modeled data with experimental results. This is because the wettability becomes more oil-wet initially and surfactant leads to alteration in wettability.
• It has been suggested that while the effect of lowsalinity water as a single EOR method is very dependent on the initial wetting condition, the combination with surfactant has a significant effect on surfactant phase behavior to reach ultra-low IFT in high-salinity reservoirs. Since the formation brine salinity level of many reservoirs is more than the optimum salinity of almost all the industrial surfactants, combining the surfactant with low-salinity water gives better oil recovery.
• The combination of surfactant and low-salinity water does not always improve oil recovery. To obtain the highest amount of overall oil recovery, a careful design is needed and surfactant phase behavior parameters such as optimum salinity, C SEU , C SEL , and initial formation brine salinity should be taken into consideration.
• In this reservoir model, secondary recovery is more efficient than tertiary recovery mode because it leads to earlier oil recovery. Fig. 18 Comparison of incremental oil recovery of low-salinity water and combination of surfactant and low-salinity water at optimum salinity (Case #3) in different wettability condition
